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Abstract 
The process of identifying suitable sites for storage of CO2 in deep saline formations involves methodical and careful 
analysis of the technical and non-technical features of potential storage areas. This process is largely analogous to 
that used in the petroleum industry through which a project matures from an exploration project to a producing 
project.  The goal is to ensure that CO2 can be successfully and securely stored over extended periods of time in a 
manner that is compliant with the best engineering and geological practices, applicable regulations, and the best 
interests of local and regional stakeholders.  Dynamic reservoir modeling is a key component of the process at all 
stages, from initial site screening and selection, through development planning, project implementation and operation, 
to site closure and post-injection monitoring. 
This paper summarizes guidelines for dynamic reservoir modeling of CO2 storage in deep saline formations.  The 
guidelines draw heavily upon existing petroleum industry best practices for reservoir modeling of conventional oil 
and gas developments, but also consider modeling issues raised by the CO2 storage research community and 
historical CO2 and acid gas injection experience. Topics discussed include: 
• Physical and chemical processes that need to be considered 
• Project design options to manage CO2 plume growth and promote safe, efficient, and reliable storage in different 
geologic settings 
• Design of models to address specific issues such as injectivity, storage capacity and security, and the long-term 
fate of the CO2
Although reservoir modeling has applications across all phases of a CO2 storage project, this paper focuses on 
modeling activities specific to site selection and development planning that are aimed at identifying suitable 
candidate sites having sufficient storage resource, confining formations, and the capability to retain the injected CO2
over hundreds of years.  Modeling results are also used to assist several additional activities including: calculation of 
the Area of Review for monitoring of CO2 plume migration and pressure buildup, determination of the most 
advantageous injection intervals and operation parameters to maximize injectivity and storage efficiency, assessment 
of potential leakage pathways, mitigation options, and risk evaluation.
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1. Introduction 
The process of identifying suitable sites for storage of CO2 in deep saline formations involves 
methodical and careful analysis of the technical and non-technical features of potential storage areas. This 
process is largely analogous to that used in the petroleum industry through which a project matures from 
an exploration project to a producing project.  The goal is to ensure that CO2 can be successfully and 
securely stored over extended periods of time in a manner that is compliant with the best engineering and 
geological practices, applicable regulations, and the best interests of local and regional stakeholders.   
Dynamic reservoir modeling is a key component of the process at all stages, from initial site screening 
and selection, through development planning, project implementation and operation, to site closure and 
post-injection monitoring. Reservoir modeling serves several important roles. It is used in: 
 Evaluating the feasibility of CO2 storage in the subsurface 
 Designing, implementing, and analyzing field tests 
 Engineering and operating geologic CO2 storage systems.  
Once a project is in operation, measurements gained through monitoring can be used to verify that the 
project is performing as predicted by models. Therefore, tracking changes between the initial and the 
updated model through time is critical for long-term validation. 
An important application of reservoir modeling is to evaluate project design options to manage CO2
plume growth and promote safe, efficient and reliable storage in different geologic settings. Safe and 
reliable long term storage of carbon dioxide within a defined permit area will require knowledge and 
observance of limits on cap rock fracture pressures, formation stratigraphy and properties, knowledge of 
formation spill points and calculation of maximum rates of injection. Optimum design will achieve both 
permanence of storage and efficient use of pore space to mitigate adverse sweep related to gravity 
override of injected gas. To manage these issues in deep saline formations, with or without closed 
anticline structures, may require inclusion of brine withdrawal as part of the project design. 
Reservoir modeling of CO2 storage in deep saline formations requires consideration of interdependent 
processes to represent the behavior of the injection formation. To accurately and reliably apply models, 
multiple physical and chemical considerations must be included in the model’s development. We discuss 
the roles of these processes in the reservoir model and the acquisition and quality control of input data 
characterizing each process. 
We also discuss the design of models to address specific issues such as injectivity, storage capacity and 
security, and the long-term fate of the CO2.  In addition to appropriate representation of process 
mechanisms, appropriate gridding and scale-up of geologic properties is essential for accurate 
representation of CO2 plume behavior and the evolution of pressure with time, while maintaining 
reasonable computational efficiency. Another important consideration is the boundary conditions on the 
injection zone that define whether stratigraphic or structural features limit flow on the top and bottom of 
the zone and one or more sides. Such no-flow or low-flow boundaries will increase the rate of pressure 
build-up and influence the size and symmetry of the plume. They are key factors in determining how long 
injection can continue before pressure builds regionally to limit injection rate. 
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2. Requirements for CO2 storage in deep saline formations and dynamic reservoir model design 
considerations 
2.1. Requirements for successful storage 
Dynamic reservoir models (numerical simulations) play a significant role in assessing the essential 
requirements for successful CO2 storage in deep saline formations [1-2], which include:  
 Capacity: available reservoir pore volume to accommodate the proposed injected fluid volume.  
 Containment: barriers to upward movement out of the reservoir, and slow movement within the 
reservoir to maximize the opportunities for permanent immobilization. 
 Storage efficiency: storing the greatest amount of CO2 in the minimum amount of pore space 
 Immobilization: trapping of CO2 as immobile gas and mineral phases 
 Injectivity: a function of permeability and reservoir thickness, determining the required injection well 
count 
 Monitoring: ability to track movement of the injected fluid in the subsurface to demonstrate 
containment within the host formation. 
2.2. Dynamic reservoir model design considerations 
Simulation of CO2 storage in deep saline formations requires consideration of interdependent 
processes to represent the behavior of fluids in the injection formation. To accurately and reliably apply 
models, multiple physical and chemical considerations must be included in the model’s development. 
These processes include fluid properties and phase behavior, multiphase fluid flow, molecular transport 
and diffusion, chemical reactions, heat transfer, and mechanical stress and strain. Detailed data related to 
these phenomena can be acquired from initial formation and fluid characterization activities and used as 
input to the reservoir model. It should be noted that currently no single model is capable of 
simultaneously simulating all the coupled processes at once, nor is such a model necessary for practical 
purposes. Typically, a combination of models accounting for flow, chemical reactions, and geomechanics 
is used. Reactive transport modeling has been used in some cases to integrate the thermal, 
hydrogeological, and geochemical processes that are associated with dynamic geologic systems [3-4]. 
Design of the reservoir model will need to take into consideration the study objectives, quantity and 
quality of formation characterization data available, reservoir description, development scheme, time and 
cost constraints, and simulator availability and limitations. Depending on the objectives of the study, 
models may range from detailed single-well mechanistic models for injectivity assessment to basin- or 
regional-scale models for assessment of long-term CO2 storage capacity and migration. 
Reservoir models of CO2 storage in deep saline formations will frequently differ from traditional 
models of oil and gas reservoirs in the following respects that will need to be considered when designing 
the model: 
 CO2 storage models can have larger areal extent, covering areas outside the primary storage target to 
capture the long-term migration of the CO2 plume, displaced fluids, and pressure perturbations. 
 CO2 storage models may need to cover longer time scales, as regulations will require an extended 
period of post-injection monitoring. 
 The voidage replacement ratio in CO2 storage projects will often be much greater than one,  
necessitating careful consideration of geomechanical effects (although pressure relief wells will often 
be included). 
 CO2 storage models may need to include the overburden / topseal above the target storage formation, 
which are typically treated as impermeable barriers in simulation of oil and gas reservoirs. 
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Development planning considerations for CO2 storage that affect the design of the model are primarily 
related to injectivity and capacity: 
 Injectivity 
1. Number of injection wells and locations 
2. Maximum safe injection pressure 
3. Design of injectivity tests 
4. Reactions between dissolved CO2 and water may alter permeability 
 Capacity 
1. Storage efficiency and strategies to maximize it 
2. CO2 migration and trapping, especially effects of buoyancy 
3. Number of wells and locations 
4. Need for water disposal and pressure relief wells 
5. Heave and subsidence, activation of faults 
6. Interaction with hydrocarbon resources, if present 
2.3. Impact of fluid properties on model design  
At standard conditions, CO2 exists in the gaseous state and behaves similarly to most non-hydrocarbon 
gases. However, at typical deep saline formation pressure and temperature, CO2 is in the supercritical 
state and has a density similar to a light liquid, and viscosity similar to a gas. This means that in the 
reservoir CO2 is buoyant and highly mobile. These properties can benefit CO2 injectivity significantly, as 
CO2 is much more mobile than water, but may adversely affect the containment and storage efficiency of 
CO2 in the reservoir.  The unfavorable mobility ratio between CO2 and water will exacerbate viscous 
fingering and channeling through high-permeability geologic features. As the density of supercritical CO2
at reservoir conditions is much lower than brine, gravity segregation will force CO2 to migrate upwards 
within the reservoir, displacing brine downwards. In addition, CO2 is highly soluble in water and its 
solubility increases greatly as a function of reservoir pressure, though decreases slightly as a function of 
reservoir temperature. CO2 solubility also decreases as a function of salinity. The dissolved CO2 can react 
with rock. Water also can be dissolved in the CO2, though with a very low solubility. The implication for 
reservoir modeling is that is that an accurate fluid property model is needed. 
2.4. Impact of trapping mechanisms on model design 
The effectiveness of CO2 storage in deep saline formations depends on a combination of physical and 
geochemical trapping mechanisms that must be considered when designing a reservoir model.  There are 
four major trapping mechanisms for typical CO2 storage processes [5]: 
 Geometric trapping (i.e. structural or stratigraphic) 
 Residual gas trapping 
 Solution into formation water 
 Mineralogical trapping 
The importance of each mechanism to CO2 storage evolves over time, as CO2 trapped by one 
mechanism may then transition to be trapped by another mechanism (e.g. mobile gas which is trapped 
structurally may later dissolve into the formation water). 
Geometrical trapping is the dominant trapping mechanism in the early stage of the CO2 injection 
phase, where CO2 would be trapped in geological traps with an effective seal, similarly as accumulations 
of hydrocarbon in the subsurface. The presence of baffles and barriers will significantly assist in retaining 
CO2 in the reservoir long enough for the other trapping mechanisms to become active. In most practical 
situations, geometric trapping is necessary for successful CO2 storage. The implication for reservoir 
3940   Gary F. Teletzke and Pengbo Lu /  Energy Procedia  37 ( 2013 )  3966 – 3944 
modeling is that accurate modeling of trap geometry and baffles and barriers for vertical fluid movements 
is required. 
Residual gas trapping is dictated by the displacement functions (capillary pressure and relative 
permeability), also analogous to hydrocarbon reservoirs. At low saturations, the fluid becomes immobile. 
The pore space is initially filled with formation water (brine), then the brine will be displaced by CO2,
starting from the regions near injection wells. Initially CO2 will quickly dissolve into the residual water 
until the water is saturated. The CO2 plume will continue to migrate both upward (under buoyancy forces) 
and horizontally (under viscous forces). At the tail of the CO2 plume, the CO2 saturation will decrease and 
eventually be trapped. Residual gas trapping is a very significant mechanism for immobilizing CO2, in a 
saline aquifer and is likely to be the dominant trapping mechanism for tens to thousands of years 
following CO2 injection. The implication for reservoir modeling is that accurate capillary pressure and 
relative permeability functions are required. 
The CO2 plume will be in constant contact with formation water during migration and further facilitate 
the solution process. Eventually, all CO2 (exclusive of chemical reaction) is expected to dissolve. Water 
with dissolved CO2 is slightly denser (<1%) than formation water. Therefore the CO2-saturated water will 
sink slowly, triggering a natural convective mixing process [6]. As unsaturated water slowly circulates 
past the free and trapped CO2, further CO2 dissolution would occur in the process. This process will 
continue until all the CO2 is dissolved in the water. As the density contrast is quite small, the pace for this 
convective behavior is very slow and well beyond the operating timeframe. The implication for reservoir 
modeling is that accurate models of CO2 solubility in brine and its effect on brine density are needed. 
The dissolution of CO2 into water produces carbonic acid, which can react with the in-situ minerals. 
Such chemical reactions may either dissolve or precipitate minerals. The various reactions are complex 
and usually very slow, so this mechanism will not have any significant influence on CO2 immobilization 
within a typical study time frame (e.g., 1000 years), but could have an impact on injectivity through 
alteration of permeability in the near-well region [3-4]. The implication for reservoir modeling is that 
although mineralogical trapping may important for long-term storage security, it may not need to be 
considered in studies aimed at estimating storage capacity and development planning.  However, 
precipitation/dissolution reactions will need to be considered in modeling injectivity 
3. Guidelines for Design of Models 
3.1. Vertical and Areal Extent; Boundary Conditions 
Boundary conditions of the injection zone define whether stratigraphic or structural features limit flow 
on the top and bottom of the injection zone and one or more sides. Such no-flow or low-flow boundaries 
will increase the rate of pressure build-up and influence the size and symmetry of the plume. They are key 
factors in determining how long injection can continue before pressure builds regionally to limit injection 
rate. Examples of no- or low-flow boundaries include faults that compartmentalize the reservoir, regional 
facies changes that limit the extent of injectable facies, and heterogeneity such as channel geometries that 
limit lateral flow. Two limiting cases that have often been used in modeling CO2 storage are an open 
system with lateral boundaries far beyond any possible pressure perturbation and a closed system with 
impervious boundaries on all sides. However, the most realistic representation is a semi-closed system 
that is bounded laterally by a large, but finite, aquifer and overlain and underlain by semi-pervious sealing 
units [7].  
Reservoir connectivity analysis [8] and invasion percolation models [9] are useful tools to help assess 
long-term CO2 migration scenarios and define the lateral and vertical extent of the model.  They are also 
useful for assessing the sensitivity of model results to reservoir structure.
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Even in conventional reservoir models for hydrocarbon systems, the aquifer size (or strength) is one of 
the biggest uncertainties. In CO2 storage processes, the aquifer size has direct and significant impacts on 
storage capacity and pressure buildup. The pressure buildup profile will in turn impact injectivity and top 
seal integrity. For projects without pressure relief wells in the plan (especially in the early stage), the 
pressure buildup will be directly related to the injected CO2 volume and the total aquifer pore volume, 
which is simply dictated by material balance. Therefore, a sensitivity study is necessary for both vertical 
and area extent of the aquifer. 
The amount, permeability, and compressibility of the lower permeability rocks overlying and 
underlying the target storage formation also have a significant impact on pressure buildup [10], but such 
properties are generally poorly characterized and carry a wide range of uncertainty.  Therefore a 
sensitivity study should be done to the thickness, permeability, and compressibility of the surrounding 
units.
3.2. Gridding and Gravity Segregation 
General best practices for gridding and scale-up of reservoir simulation models should be followed 
[11]. There are a few precautions and recommendations specific to CO2 storage modeling that are worth 
noting: 
 Fine grid resolution should be used around CO2 injection wells to accurately model well injectivity 
and to better capture CO2 plume movement [12]. In general, CO2 storage project economics dictates a 
limited number of injection wells with relatively simple well configurations, e.g., a handful of vertical 
wells. Therefore, it should manageable and practical to conform the grid to well trajectories. 
Furthermore, a transition zone around each injection well would allow fine resolution in the near-
wellbore region without sacrificing computational efficiency. 
 Fine-scale low-perm layers (baffles) should be preserved: Flow-based scale averaging (FBSA) with 
optimal layer selection [13] is a very powerful and effective tool for vertical upscaling. However, 
FBSA was designed to accurately model horizontal (lateral) fluid movement, while in CO2 storage 
vertical fluid movement is significant and perhaps dominant, especially in the post-injection phase. 
Therefore, extra care needs to be taken in handling low-perm fine-scale layers to preserve barriers / 
baffles for vertical fluid movement. For example, a harmonic average for vertical permeability might 
be preferable. 
 There should be no excessive key-out for low-quality simulation cells. It is a widely used practice to 
key out low-perm / low-porosity simulation cells, especially in the under- and over-burden, for 
performance reasons in petroleum reservoir simulation. However, cells that act as no-flow barriers in a 
typical petroleum reservoir simulation run (30~50 years) could allow fluid through over hundreds of 
years.
 Chute effect: Because of high mobility of supercritical CO2 and density contrast between CO2 and 
water, the injected CO2 has a tendency to move upward, especially near injection wells. The high 
aspect ratio of simulation grids could exaggerate the vertical fluid movement, causing a “chute” effect. 
The vertical transmissibility over pore volume roughly equals vertical permeability divided by square 
of layer thickness. Transmissibility attenuation could be used to mitigate this issue. 
 Fault modeling: In contrast to conventional reservoir simulation models, the conductivity along the 
faults may be more important than that across the faults in modeling CO2 storage. In general, faults 
present a CO2 leakage risk instead of flow barriers. Non-neighboring connections might be necessary 
to model flow along faults between two different units. 
Both areal and vertical gridding sensitivities should be carried out to ensure that CO2 plume 
movement is captured accurately. The key features are the shape of the gravity segregation cone near the 
injection wells and the thickness of the CO2 plume away from the injection wells, which are influenced 
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by the  ratio of viscous force (controlled by pressure gradient, heterogeneity and fluid mobility) to 
buoyancy or gravity force (dictated by density contrast and vertical permeability)[14-15].  Fine grid 
resolution near wells and at the top of flow units will be required to accurately represent these features.  
Modern unstructured gridding techniques enable the use of fine areal and vertical gridding near the 
injection wells to resolve the CO2 plume and coarse gridding away from the wells where large saturation 
changes are not expected [12]. 
3.3. Fluid Properties 
CO2 generally is in a supercritical state under normal reservoir conditions. Therefore, a compositional 
fluid property model, in which an equation of state (EOS) is used to calculate fluid properties, is the most 
rigorous formulation. The most common formulation is to use a standard cubic equation of state, such as 
the Peng-Robinson EOS, to represent the properties of supercritical CO2 and empirical correlations to 
represent CO2 solubility in brine and brine density. In some cases a more specialized EOS may be 
required to represent CO2-water phase behavior [16-17].  Such a model fully accounts for CO2 solubility 
in brine, its effect on brine density, and vaporization of water by dry CO2.   
However, a two-phase vapor-aqueous black-oil fluid property model may be adequate, especially for 
initial screening assessment of CO2 plume movement and pressure build-up [12].  The black-oil model is 
a simplified representation of gas density, water density, and gas solubility in water as a function of 
pressure, derived from EOS calculations or directly from experimental data. Water vaporization near the 
injection well due to pure CO2 injection can be modeled using straight-line relative permeability curves 
[12]. 
3.4. Capillary Pressure and Relative Permeability  
As input to the reservoir model, it is important to have high-quality data characterizing the multiphase 
flow properties of capillary pressure, relative permeability, and residual trapping for a number of reasons.  
The distribution of CO2 in the subsurface, including column height in contact with the caprock and the 
areal extent of the plume, is dependent on capillary pressure-saturation relationships, and the relative 
permeability. Small variations in relative permeability can lead to a wide range in injectivity, and will 
contribute in determining the number of wells required to meet an overall injection goal. CO2 trapping as 
a free phase residual fluid is governed by hysteresis in the relative permeability curves between drainage 
and imbibition processes and will play a large role in determining the storage security of a project.  
A defining characteristic of the CO2-water system is the low viscosity of the CO2 which results in low 
CO2 saturations during multiphase flow conditions and poor displacement efficiency during conditions of 
single phase flow through a partially saturated medium. This will lead to low maximum achievable CO2
saturations in steady and unsteady state relative permeability experiments, could contribute to low 
injectivities in commercial scale projects, and could lead to poor predictive capabilities for reservoir 
simulators ignoring capillarity. Krevor et al. [18] have outlined conditions for achieving accurate CO2-
water relative permeability measurements that ensure that flow is in a viscous-dominated regime, gravity 
segregation is negligible, saturation is uniform, and the relative permeabilities are independent of flow 
rate. In the absence of CO2-water capillary pressure and relative permeability data, Krevor et al.’s study 
indicates that standard gas-liquid data can often be used as an analog. 
3.5. Geomechanics and Wellbore Hydraulics 
A key consideration in CO2 storage security is the integrity of the reservoir topseal under elevated 
pressure conditions.  Injection capacity will be constrained by the top seal fracture pressure; regulations 
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will require injection below the fracture pressure, which then determines the bottom-hole injection 
pressure boundary condition on the reservoir model.  In addition, reservoir dilation and heave may affect 
wellbore integrity.  These issues can be addressed in the context of a reservoir model by using existing 
petroleum engineering workflows [19-20] for determining the maximum injection pressure and predicting 
reservoir subsidence under fluid withdrawal and heave under fluid injection. These models sequentially 
couple a reservoir simulation model of the pore pressure history to a geomechanical model of the 
reservoir and its bounding sealing formation. The stress distribution inferred from the model can be 
compared against rock fracture pressure to ensure seal integrity and define the maximum allowable 
injection pressure constraint for use in the simulation model. 
The fracture pressure can change through time due to changes in temperature and pressure for the 
following reasons: 
 Injection is typically colder than the reservoir – cooling yields thermal stresses that tend lower the 
fracture pressure. 
 Pressure increases will increase the fracture pressure due to poroelastic effects.  Decreasing pressure 
tends to lower the fracture pressure. 
Therefore, it may be desirable to track temperature and pressure at the injection location and change the 
fracture pressure criterion to reflect changes during injection.  A temperature-dependent wellbore 
hydraulics model [12,21] can be used predict bottom-hole injection pressure as a function of wellhead 
injection conditions. 
3.6. Reactive Transport 
Reactive transport models predict that the injection of CO2 in both sandstone and carbonate reservoirs 
leads to acidified zones and mineral dissolution adjacent to the injection well, and carbonate precipitation 
and mineral trapping away from the well [3,4]. This can affect near-well permeability and injectivity on 
short time scales (10s of years) and trapping of CO2 by mineralization on long time scales (>100  years).  
At the very least, reactive transport modeling of the near-well region should be considered to assess 
possible impacts of dissolution and precipitation on injectivity. 
4. Summary 
Dynamic reservoir modeling is a key element of the site selection and development planning process 
for a CO2 storage project.  
Reservoir modeling of CO2 storage in deep saline formations requires consideration of interdependent 
processes to represent the behavior of the injection formation. To accurately and reliably apply models, 
multiple physical and chemical considerations must be included in the model’s development. We have 
discussed the roles of these processes in the reservoir model and the acquisition and quality control of 
input data characterizing each process. 
We also discussed the design of models to address specific issues such as injectivity, storage capacity 
and security, and the long-term fate of the CO2.  In addition to appropriate representation of process 
mechanisms, appropriate gridding and scale-up of geologic properties is essential for accurate 
representation of CO2 plume behavior and the evolution of pressure with time, while maintaining 
reasonable computational efficiency. Another important consideration is the boundary conditions on the 
injection zone that define whether stratigraphic or structural features limit flow on the top and bottom of 
the zone and one or more sides. Such no-flow or low-flow boundaries will increase the rate of pressure 
build-up and influence the size and symmetry of the plume. They are key factors in determining how long 
injection can continue before pressure builds regionally to limit injection rate. 
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